One of the main challenges of worldwide carbon capture and storage (CCS) efforts is its cost. As much as 90% of this cost stems from the capture of pure or nearly pure CO 2 from exhaust streams. This cost can be lowered by capturing gas mixtures rather than pure CO 2 . Here we present a novel integrated carbon capture and storage technology, installed at the CarbFix2 storage site at Hellisheiði, Iceland that lowers considerably the cost and energy required at this site. The CarbFix2 site, located in deeper and hotter rocks than the original CarbFix site, permits the continuous injection of larger quantities of CO 2 and H 2 S than the original site. The integrated process consists of soluble gas mixture capture in water followed by the direct injection of the resulting CO 2 -H 2 S-charged water into basaltic rock, where much of the dissolved carbon and sulfur are mineralized within months. This integrated method provides the safe, long-term storage of carbon dioxide and other acid gases at a cost of US $25/ton of the gas mixture at the CarbFix2 site and might provide the technology for lower CCS cost at other sites.
Introduction
The "Achilles heel" of carbon capture and storage (CCS) is its cost. Cost estimates range from US $38 to US $143/ton CO 2 (Global CCS Institute, 2011; Rubin et al., 2015) . Here we describe an integrated method that substantially lowers this cost at the CarbFix2 storage site. This technology is based on the success of the rapid and safe subsurface mineralization of carbon and sulfur into basaltic rocks as a dissolved aqueous phase at the original CarbFix site (Matter et al., 2016; Snaebjörnsdóttir et al., 2017) . Moreover, the cost of this CCS method in the present study is offset by the cost of sulfur fixation, which can exceed US $300/ton (U.S. Department of Energy, 2013). As such, this integrated method may provide the financial incentive for the general application of capturing and injecting gas mixtures into reactive rocks at other locations.
The present study builds on the original CarbFix project (Matter et al., 2016) . The CarbFix approach is to accelerate the mineralization of injected acid gases into subsurface basaltic reservoirs. Carbon mineralization is the safest way of storing carbon in the subsurface (Benson et al., 2005; Snaebjörnsdóttir et al., 2017) . Basalt offers numerous advantages for the mineralization of CO 2 and other acid gases, as it is relatively reactive compared to most rocks, and its dissolution both liberates divalent metal cations such as Ca, Mg, and Fe, and helps neutralize acidic waters (Wolff-Boenisch et al., 2004 McGrail et al., 2006; Oelkers et al., 2008; Gislason et al., 2010; Gysi and Stefansson, 2012; Pham et al., 2012; Rosenbauer et al., 2012; Takazo et al., 2013; Schaef et al., 2013 Schaef et al., , 2014 Maskell et al., 2015; Gysi, 2017; Kanakiya et al., 2017; Luhmann, et al., 2017; Xiong et al., 2017; Snaebjörnsdóttir et al., 2018a) . The original CarbFix project injected 175 tons of pure CO 2 into subsurface porous basalts from January to March 2012, then 73 tons of a gas mixture from the Hellisheiði power plant consisting of 75 mol% CO 2 , 24 mol% H 2 S, and 1 mol% H 2 from T June to August 2012 (Alfredsson et al., 2013; Matter et al., 2016; Snaebjörnsdóttir et al., 2017) . In each case, the gases were dissolved into formation water during their injection (Gislason et al., 2010; Kervevan et al., 2014 Kervevan et al., , 2017 Tao and Bryant, 2014; Sigfusson et al., 2015; Blount, et al., 2017) . A combination of chemical and tracer analyses, geochemical calculations, and physical evidence demonstrated that the injected CO 2 and H 2 S were fixed in minerals, notably calcite and iron sulfide minerals within two years of injection at 20-50°C (Matter et al., 2016; Snaebjörnsdóttir et al., 2017) . The present study was motivated to upscale this process toward the economically viable capture and storage of all the acid gases emitted from the Hellisheiði geothermal power plant. The purpose of the present communication is to report the results of our efforts to upscale the mineralization of CO 2 and H 2 S in basaltic rocks at Hellisheiði and to explore the possibility of adopting a similar approach at other potential CCS sites.
Materials and methods

Capture and injection into the subsurface of the CO 2 /H 2 S charged fluid
Efforts in this study were based at the CarbFix2 injection site located approximately 1.5 km north of the Hellisheiði geothermal power plant (Fig. 1) . The Hellisheiði geothermal field is equipped with over 100 vertical and diverted wells to varying depths ranging from 100 to 3300 m in depth, allowing for the detailed monitoring of the fate of fluids injected into the subsurface (Gunnlaugsson, 2012) . The HN-16 CarbFix2 injection well, as well as the HE-31, HE-48, and HE-44 monitoring wells used in this study are directionally drilled to depths of 2204 m, 2703 m, 2248 m, and 2606 m, respectively, such that they intersect high permeability fractures at depths below 800 m.
The Hellisheiði field is located at the southern part of the Hengill volcanic system, which was formed by several volcanic cycles during Fig. 1 . Overview of the CarbFix2 injection site. The Hellisheiði power plant and the gas separation plant are in the lower left of the figure. The 1.5 km long, gas charged water pipe (shown in green) connects the separation plant to the injection well. Injection was into well HN-16 (shown in blue). The three monitoring wells each shown in red) are located within 2 km down gradient from the injection well. Major faults and their relative movements are shown in yellow as well as the location of wells at the surface (blue and red dots). (For interpretation of the references to colour in this figure legend, the reader is referred to the web version of this article.) spreading episodes in the rift zone. The Hengill central volcano occupies the central part of a 60-100 km long and 3-5 km wide volcanic NE-SW trending fissure swarm with a graben structure. The CarbFix2 site is located at the western side of the graben structure, with large normal faults having a total throw of more than 300 m (Franzson et al., 2005 (Franzson et al., , 2010 Fig. 1 ). These faults contribute significantly to the permeability in the area (Kristjánsson et al., 2016) .
The subsurface rocks at the CarbFix2 injection site consist of olivine tholeiitic basalts. The top 1000 m are dominated by hyaloclastites that erupted sub-glacially. The hyaloclastites are heterogeneous and can range from crystalline rocks with minor amounts of volcanic glass to almost solely volcanic glass. In the less mountainous parts of the system the stratigraphy consists of alternating successions of hyaloclastite formations and lava sequences. The most prominent originate from large lava shields, which erupted in the highlands and flowed to the surrounding lowlands (e.g. Franzson et al., 2005 Franzson et al., , 2010 . Olivine tholeiitic lavas are usually rich in volcanic glass, especially on rapidly chilled surfaces of lava flows. Intrusive rocks dissect these hyaloclastite/lava successions below about 800 m depth and become dominant below 1700 m. These intrusive rocks contribute substantially to the subsurface permeability and the fracture networks created by their emplacement is a major control on aquifer permeability below 500 m (e.g. Franzson, 1988) . The temperature at ∼2000 m depth of the target acid gas storage reservoir ranges from 220 to 260°C. At this depth chlorite, epidote, and calcite are the most common secondary minerals, together with prehnite, sulphides, wollastonite, and actinolite (Snaebjörnsdóttir, 2011; Snaebjörnsdóttir et al., 2018b) .
Note the temperature of the target aquifer of the CarbFix2 injection is substantially higher than that of the original CarbFix injection. This higher temperature offers advantages and disadvantages compared to the lower temperature injection. First, the higher temperature of the CarbFix2 target aquifer limits the risk of subsurface biotic activity that might influence the injection well and aquifer injectivity (Trias et al., 2017) . Second, the rates of basalt dissolution and of mineral carbonation reactions increase with increasing temperature (Gislason and Oelkers, 2003; Gudbrandsson et al., 2011) . This effect will be offset somewhat by the decreasing thermodynamic drive for carbonate mineral formation with increasing temperature. For example, calcite and quartz decompose into wollasonite, liberating CO 2 at temperatures exceeding 325°C (Skippen, 1980; Snaebjörnsdóttir et al., 2014) . Due to these competing effects, some have suggested that the optimal temperature for subsurface mineral carbonation occurs at approximately 185°C (e.g. Gerdemann et al., 2002; Keleman and Matter, 2008) .
The acid gases injected into the CarbFix2 system originated from the Hellisheiði power plant. The power plant is located in SW Iceland, 25 km east of Reykjavík, the Icelandic capital (Fig. 1) . This power plant annually emits 50,000 tons of a geothermal gas mixture with a composition of 63 vol% CO 2 , 21 vol% H 2 S, 14 vol% H 2 , and 2 vol% of other gases, predominantly N 2 , Ar, and CH 4 . A CO 2 and H 2 S dominated gas mixture was captured from this power plant exhaust gas stream by its dissolution into pure water in a scrubbing tower Fig. 2 , Tables 1 and 2 ). In total, 30 to 36 kg/s of pure water is sprayed into the top of the scrubbing tower, operated at an absolute pressure of 6 bars at 20°C. This water interacts with a 0.336 m 3 /s exhaust gas stream dissolving the water-soluble gases. The non-dissolved gases are vented into the atmosphere. The average composition of the water leaving the scrubbing tower contained 102 mM dissolved inorganic carbon (DIC) and 72.9 mM dissolved sulfur (Table 2) , and it had a pH ranging between 3.5 and 4. The scrubbing tower is currently optimized to recover 56% of the CO 2 and 97% of the H 2 S from the exhaust stream. The percentage CO 2 recovered could be increased by increasing the water to exhaust gas ratio, and/or the pressure in the scrubbing tower. A thermally stable inert tracer, 1-naftalenesulfonic acid (1-ns), was added to the gas-charged water using a dosing pump to monitor the fate of the dissolved gases after their injection. Prior to its transport from the capture plant, the resulting gas-charged water was pressurized to 9 bars. The pressurized gas-charged water was transported via a 1.5 km long and 279 mm inner diameter high density polyethylene pipe to the HN-16 injection well, where it was injected into the subsurface. The injection rate was 30 to 36 kg/s, such that a total of 14.5 tons CO 2 and 7.9 tons H 2 S were injected each day (Figs. 2 and 3 ). This injection well was directionally drilled, 2206 m long and 0.311 m wide. The top 660 m is cased with carbon steel. As the gas-charged water is acidic and corrosive to the carbon steel, this water is piped to a depth of 750 m through a 4″ stainless steel pipe. This prevents any contact between the carbon steel and the gas-charged water. Effluent water was injected into the well between the inner stainless steel pipe and the casing (Fig. 3) . The effluent water had a temperature ranging from 55 to 140°C, had an average pH of 9.13 (Table 3) , and was injected at a rate of 15 to 130 kg/ s (Fig. 4) . The two fluids, gas-charged condensate water and effluent water, mix at the exit of the stainless steel pipe at 750 m. The pH of the gas charged-effluent water mixture was calculated, using PHREEQC version 3 (Parkhurst and Appello, 2013) together with the core10 database (Neveu et al., 2017) to be ∼5 at a temperature of 65°C increasing to ∼6 as its temperature increased to 250°C. The main aquifer receiving the water mixture is located at a depth between 1900 and 2200 m. The formation temperature at the depth of this aquifer prior to injection was estimated to be 240-250°C, based on measurements from adjacent wells. Although the mildly acidic injection water could liberate potentially toxic metals to the fluid phase, we observed negligible changes to the concentrations of such metals in our sampled monitoring fluids.
The gas injection began during June 2014 and was terminated 15th July 2015. In total, 4526 tons of water dissolved CO 2 and 2536 tons of water dissolved H 2 S had been injected. The fluid mass in the geothermal system does not build up over time as fluid is continuously removed from this system to provide water and steam for the powerplant. The injected gas-charged water will tend to sink once it arrives in the reservoir because 1) the injected fluid is relatively cool and 2) it is gas-rich. Both factors increase the density of the injected fluid relative to that of the hot dilute formation water (e.g. Patel and Eubank, 1988; Teng et al., 2007; Hebach et within the scrubber. Remaining non-dissolved gases are vented at the top of the unit and gas-charged water leaves the scrubbing tower from the bottom.
Notably, taking into account the fluid temperature and salinity, and using equations reported by Duan et al. (2008) , the injected aqueous fluid has a density of 0.95-0.99 g/cm 3 whereas the formation fluid has a density ranging from 0.78 to 0.84 g/cm
3
. This density difference, however decreases to less than 1% as the temperature of the injected fluid increases to that of the target basaltic reservoir.
Sampling and analysis
The fate of the injected gas mixture was monitored by the regular sampling of three monitoring wells, located 984 m (HE-31), 1356 m (HE-48), and 1482 m (HE-44) downstream from the injection well at the depths of the main aquifers, of about 1900-2200 m depth (Figs. 1 and 3). At these depths, the reservoir fluid is a single-phase aqueous fluid with a temperature of 266 to 277°C, as the hydrostatic pressure is greater than the liquid-vapor saturation pressure of water (see supplementary material). As the fluid rises up the monitoring wells, it boils as the pressure decreases. Consequently, steam and water are sampled separately at 5.7 to 9.3 bars at the top of each monitoring well. Samples for the determination of dissolved inorganic carbon (DIC), hydrogen sulfide (H 2 S), sulfate (SO 4 ), and the 1-ns (1-naphthalenesulfonate) tracer in the liquid phase, and CO 2 , methane (CH 4 ), and H 2 S in the vapor phase were collected using a Webre separator. The sampling procedure for these samples is described in detail by Arnórsson et al. (2006) . Distinct methods were used to measure the concentrations of the dissolved gases in the sampled fluids. The procedure used for the analysis of CO 2 and H 2 S in the vapor phase as well as DIC and sulfide in the liquid phase is described in Arnórsson et al. (2006) . The H 2 S in the vapor phase, after its dissolution into a KOH rich aqueous solution, was analyzed by titration with silver nitrate and silver electrode endpoint detection (Metrohm 905 Titrando). The CH 4 in the vapor phase together, with other major geothermal gases, were analyzed using an Agilent Technologies 7890 A gas chromatography system using a HPMolesieve (19095P-MSO) column and Thermal Conductivity Detector. Subsamples collected for aqueous sulfate concentration determination, previously treated at the sampling site with Zn acetate to precipitate sulfide as zinc sulfide preventing H 2 S oxidation to SO 4 upon storage, were filtered through 0.2 μm cellulose acetate filters in the laboratory and subsequently analyzed using a Dionex ICS-2000 chromatography system. Samples for 1-ns tracer measurements were filtered through 0.2 μm cellulose acetate filters into 60 ml amber glass bottles and analyzed using a Thermo Ultimate 3000 HPLC with a BetaBasic C-18 column and fluorimetric detection. The analytical method adopted for these analyses was based on that described by Rose et al. (2002) , but with a 100 mm column and a gradually increasing MeOH concentration in the eluent. The detection limit for 1-ns is 5 × 10 −7 mM. Measured concentrations for DIC, H 2 S, and SO 4 2− in liquid phase samples and for CO 2 , H 2 S, and CH 4 in vapor phase samples are orders of magnitudes higher than the detection limits of the analytical methods.
Calculation of reservoir fluid compositions and fraction mineralized
Concentrations of DIC, CH 4 , H 2 S, SO 4 , and 1-ns in the sampled reservoir fluids before phase separation were calculated using the WATCH speciation program (Arnórsson et al., 1982; Bjarnason, 2010) from the analyzed concentration in the liquid and vapor phase, and the vapor fraction at collection pressure using:
where m i designates concentration of the component i, d stands for discharge, t for total, f for fluid, l and v for liquid and vapor. The X d v , stands for the vapor fraction at the sampling pressure. The concentration of 1-ns and SO 4 was assumed to be zero in the vapor phase and the concentration of CH 4 was assumed to be zero in the liquid phase. The pH at the reservoir temperature was calculated from measured pH value of the water phase at ambient temperature and the major element composition of the water and steam phase using the WATCH speciation program (Arnórsson et al., 1982; Bjarnason, 2010) . The HE-31, HE-48, and HE-44 monitoring wells are liquid enthalpy wells meaning that their discharge enthalpy corresponds closely to the enthalpy of the single-phase reservoir fluid at the reservoir temperature. The vapor fraction at the sample collection pressure was therefore calculated assuming adiabatic boiling from the reservoir temperature to the sampling pressure (c.f. Arnórsson et al., 2007) . The reservoir temperature was calculated assuming equilibrium with quartz (Gunnarsson and Arnórsson, 2000) to be 266°C for wells HE-31 and HE-48 and at 277°C for well HE-44. These temperatures agree well with the measured temperature at the depth of the aquifers in the wells.
The 
The total amount of gas injected during this study was a mixture of 4526 tons CO 2 and 2536 tons H 2 S. This amount was calculated based on the flow of gas-charged water into the injection well and the concentration these gases in the water. A total of 291 kg of the 1-ns tracer were injected over this same period. The tracer-bearing aqueous solution was prepared in batches of one cubic meter at a time. One hundred kg of 1-ns sodium salt (1-naphthalenesulfonic acid sodium salt, CAS no: 130-14-3, molecular weight 230.22 g/mole) was dissolved in 1000 kg water and injected at a constant proportion to the gas-charged water using a Milton Roy dosing pump. The molar ratio between the DIC and DS, and the 1-ns tracer was 81,270 and 58880, respectively.
Following the approach of Matter et al. (2016) , the fraction of the injected gas mineralization was computed by comparing measured aqueous DIC and DS concentrations in the sampled monitoring wells to those calculated assuming no reactions occurred in the subsurface. 
where A designates the molar ratio between the DIC or DS and tracer in the gas-charged injection water. The background concentrations of DIC and DS in the monitoring wells were calculated by averaging selected DIC and DS concentrations in the initial reservoir fluid before the arrival of gas-charged injection water to the monitoring wells (Table 4) . The background concentration for DIC was calculated to be 8. 
Results
The total measured dissolved inorganic carbon (DIC), methane (CH 4 ), total dissolved sulfur (DS), pH at 25°C, and 1-ns tracer concentrations in the monitoring wells HE-31, HE-48, and HE-44 (Fig. 5)   Fig. 5 . The temporal chemical evolution of water samples collected from the HE-31, HE-48, and HE-44 monitoring wells located 984, 1356, and 1482 m, respectively, from the HN-16 injection well as indicated in the column headings. The top row of plots illustrates the measured dissolved 1-naftalenesulfonic acid (1-ns) tracer concentration. The second row of plots show the calculated pH of the sampled fluids at reservoir temperature. The third row of plots show the measured and calculated concentrations of dissolved inorganic carbon (DIC) and methane. The bottom row of plots depicts the measured and calculated total dissolved sulfur concentration (DS). Calculated values shown by the green lines were generated assuming only dilution and mixing affected the fluid compositions and the measured values of 1-ns. DIC and DS are shown as filled blue circles. The filled violet circles in the plots correspond to measured methane concentrations. The difference between the green and blue lines correspond to that fixed by chemical reactions occurring in the reservoir. (For interpretation of the references to colour in this figure legend, the reader is referred to the web version of this article.) are listed in Table S-1. The first appearance of the 1-ns tracer was observed 17, 32, and 47 days after the beginning of the injection in wells HE-31, HE-48, and HE-44, respectively (Fig. 5) . Due to subsurface mixing and dispersion, the average time for the tracer to flow from the injection well to monitoring wells HE-31, HE-48, and HE-44 (Fig. 2) is greater and determined to be 130, 163, and 272 days, respectively (Kristjánsson et al., 2016) . The tracer concentrations in the monitoring well fluids continue to increase at the end of the study period as the flow system had not yet attained a steady-state concentration in response to the continuous injection of dissolved gases and tracer.
The fate of the injected gases was quantified using mass balance Eqs. (3) Table S-1 and shown in Fig. 5 . These calculated values are substantially higher than those measured in these monitoring wells, suggesting a loss of DIC and DS along the subsurface flow path towards the monitoring wells. The only plausible mechanism for this difference is carbon-and sulfurbearing mineral precipitation. The difference between the calculated and measured DIC and DS suggests that over 50% of the injected CO 2 and 76% of the injected H 2 S were mineralized through water-gas-basalt interaction during the 130 to 272 days required for its transport from the injection to the monitoring wells (Table S-1, Fraction mineralized). Similar observations demonstrated the mineralization of injected CO 2 and H 2 S during the original CarbFix project within two years at 20-50°C (Matter et al., 2016; Snaebjörnsdóttir et al., 2017) . Once mineralized, the risk of gas leakage to the surface is eliminated and a monitoring program of the storage site can be significantly reduced, thus enhancing storage security and potentially public acceptance.
An additional observation is that the permeability of the injection well was stable throughout the injection (Fig. 4) , suggesting the longterm viability of these wells and this carbon storage approach. This later observation is consistent with the relatively low pH of the injected gas-charged injection water, which was undersaturated with respect to calcite, and most of the minerals present in the aquifer rocks.
Discussion
Injected gas mineralization and permeability
A significant result of this study is that the permeability of the target injection reservoir remained stable throughout the two-year injection despite the successful mineralization of much of the injected gases, likely as calcite and pyrite. There are two major reasons for this. First, the injected gas-charged fluids are acidic so that they are strongly undersaturated with respect to the basalts in the target aquifer. The undersaturation of this fluid leads to the dissolution of the host rock basalts in the vicinity of the injection well. Significant mineralization will only occur at a distance away from the injection well after heat exchange and sufficient dissolution of the host rock neutralizes the gascharged water and saturates the formation water with respect to carbonate and sulfur minerals.
The second major reason for the stable permeability of the target reservoir over the 2-year injection period is likely the relatively small amount of mineral reaction compared to the size of the reservoir. The volume of calcite created by the mineral storage of one ton of CO 2 is 0.84 m 3 ; the volume of pyrite created by the mineral storage of one ton of H 2 S is 0.70 m 3 . As such, the total volume of calcite and pyrite created if all the gas injected during this study formed these minerals would be 5560 m
3
. This compares to a reservoir volume of 6 × 10 8 m 3
, determined assuming the target reservoir was 200 m in height, 200 m in width, and 1500 m in length. The volume of the precipitated calcite and pyrite would thus constitute only 0.009 vol percent of the reservoir. This compares with an estimated 8-10% porosity of the target reservoir basalts . The degree to which longer-term and or larger gas injections will alter permeability over time cannot be assessed at present, but it should be noted that the carbonation of basalts is a complex set of reactions that involve the dissolution of the host basalts and the potential precipitation of a large number of secondary phases in addition to calcite and pyrite (Stefánsson et al., 2011; Gysi, 2017; Snaebjörnsdóttir et al., 2018a) . Moreover, the relationship between permeability and porosity, mineral dissolution, and mineral precipitation is complex and poorly understood at present (c.f. Oelkers, 1996; Jové Colón et al., 2004; Nogues et al., 2013; Noiriel et al., 2016; Beckingham, 2017) . As such the long-term effect of this carbon and sulfur geologic storage approach might be best studied directly as longterm industrial-scale acid gas subsurface injection projects.
The cost of the described CCS approach
A major advantage of the CCS approach described above is its cost and safety relative to conventional technologies. The capture does not involve the separation of a pure and dry CO 2 phase; it captures all water-soluble gases in a single step by its dissolution into water, which is then directly injected into the subsurface at 9 bars absolute pressure. As a result, only water and electricity is needed for capture. The overall "on site cost" of this gas mixture capture, transport and storage at the CarbFix2 Hellisheiði site is US $24.8/ton (Fig. 6 and Table 4 ). Fig. 6 . Schematic illustration of the running cost of this integrated CCS solution at the CarbFix2 site. Costs are given in US$ per ton of gas mixture (CO 2 + H 2 S) injected and assume "on-site" existing infrastructure, electricity cost and transport distance of 1.5 km as detailed in the text. These cost calculations were based on "on-site" necessary capital expenditure (CapEx) and operating costs for capture, transport, injection, and monitoring, levelized to the total amount of gas injected for the time period in this study and assuming ISK/USD exchange rate of 130. All equipment and infrastructure were assumed to have a lifetime of 30 years and relevant cash flow projected for each year. Annual deprecation for property, plant, and equipment (PP&E) were assumed to be 3% and the effective tax rate 20%. Total cost per ton of mixed gas captured and injected over the 30-year lifetime was calculated by using the equivalent annual cost (EAC), where annual capture and injection rates were assumed to remain fixed at the current "up-scaled" capacity with 24 h year-round operation, apart from a two week annual maintenance stop. Lower tax payments due to operational losses for the project were considered as a revenue stream in the project's cash flow.
This overall up-scaled cost is dominated by that of gas mixture capture estimated to cost US $21.3/ton; a considerable part of this capture cost stems from compressing the gas and pure water to 6 bars and then further pressurizing the resulting gas-charged water to 9 bars prior to injection (Figs. 2 and 6 ). Note that this capture method also has the advantage of not using organic absorbents or solvents, such that it has less potential environmental influence. The on-site, up-scaled cost of transport and injection of the gas-charged fluid into the injection well is US $1.3/ton and US $1.3/ton, respectively; the bulk of this cost originates from the building of the additional infrastructure at the Hellisheiði site. The cost of injection, estimated here, excludes the drilling costs of the pre-existing wells at the CarbFix2 site. Estimates (Table 4) show that including the cost of drilling a suitable gas injection well at Hellisheiði would increase the cost of injection from US $1.3/ ton to US $3.1-5.0/ton, depending on the depth of the well. The average of this additional cost is shown in Table 4 . The cost of monitoring, estimated at US $0.9/ton, includes four soil gas flux measurements, injectivity, P-T, spinner and downhole camera measurements every five years, as well as bi-monthly sampling of the monitoring wells for five years after the start of injection and thereafter twice a year for the remaining 25 years of the estimated duration of this injection.
The pipe that transports the gas-charged water towards the injection well (Fig. 1 ), located at approximately 1.5 km distance from the power plant, is buried 1 m in the ground and only 1% of the total mass it transports is CO 2 and H 2 S. The transport of the gas as a dissolved phase in condensate water elevates the cost significantly compared to conventional gas transport, where it is only necessary to transport pure dry gas. When settings require further transport of gas to injection sites, the cost of transport could be brought down by adding a degassing step after the gas scrubbing tower. The CO 2 gas could then be transported in smaller and lower grade pipes above surface, as the risk of water freezing of this anhydrous gas would be minimal. The CO 2 could then be re-dissolved in water at the injection site before or during injection.
Potential cost of this CCS approach at other sites
The overall cost and efficiency of the CCS approach described in this study will differ depending on the site, depth of injection well, composition of the exhaust gas to be treated, and the price of the energy used to capture the acid gases from the exhaust stream. Although it is not possible to consider all of these factors in estimating the costs of this CCS approach at other sites, it is possible to evaluate the effects of different energy costs and of a need to drill an injection well on the overall costs. Note that the "on site costs" of transport, injection and monitoring are not affected by the electricity price, only that of the acid gas capture.
The overall CCS cost at the CarbFix2 site based on three cost scenarios for a 1.5 km transport of gas mixture; 1) "on-site conditions", 2) adding the cost of a new injection well, and 3) taking into account the cost of new injection well and average OECD electricity price for industry in 2014 (IEA, 2016) , is shown in Table 4 . The three CCS cost estimates reported in Table 4 , which range from US $25/ton to US $50/ ton, are generally lower than cost estimates for conventional pure and dry CO 2 capture and storage (CCS), which range from US $38 to US $143/ton CO 2 (Global CCS Institute, 2011; Rubin et al., 2015) . Our estimated CCS costs are also somewhat lower on average than the US $35 to US $65/ton recently estimated as the CCS cost at Chinese coal fire power plants (Hu and Zhai, 2017) . The exact cost of adopting this CarbFix approach will vary site to site depending on a number of factors including gas composition, depth of target storage reservoir, and local energy costs (c.f. Rubin et al., 2015) . The CCS costs using this CarbFix approach, however, would be offset by the co-fixation of sulfur through this process. As sulfur capture and storage can exceed US $300/ton (U.S. Department of Energy, 2013), this integrated method may provide the financial incentive for the general application of capturing and injecting water-soluble gas mixtures into reactive rocks.
The capture and storage of the mixed CO 2 -H 2 S gas at the Hellisheiði power plant using this CarbFix method may be particularly favorable compared to other sites due to the availability of a CO 2 -rich gas stream, local permeable basalts, and abundant fresh water. The degree to which this or a similar approach will prove economically viable at other sites depends to a large extent on the composition of the exhaust gas and identity of the subsurface rock formations. The efficiency of CO 2 capture with other water-soluble gases in water diminishes with the decreasing CO 2 content of the exhaust gas. Consequently, the efficient capture of CO 2 and other water-soluble gases could require higher pressures in the scrubber for exhaust streams that are less concentrated in CO 2 . This would increase capture costs, as these costs are dominated by the cost of pressurizing the exhaust gas-water stream. As the cost of capture is directly related to the pressure required in the scrubber, the optimization of scrubber pressure and water demand will need to be considered on a site by site basis.
There are many places around the world, however, which have both abundant water and permeable basalts, which may provide conditions for the further application of this CCS approach. Notably, the ocean floor is comprised mostly of basalts and adjacent to an inexhaustible supply of seawater (McGrail et al., 2006; Goldberg et al., 2008; WolffBoenisch et al., 2011; Snaebjörnsdóttir et al., 2014) , which may make the CCS methods described above favorable along many continental coastlines and on volcanic islands. For example, the subseafloor basalts of the Juan de Fuca ridge off the coast of the Pacific northwest of the United States have been reported to have porosities of > 10%, premeabilites estimated to range from 10 −9 to 10 -5 cm 2 , and a potential pore volume of 780 km 3 (Goldberg et al., 2008) .
These authors concluded that this formation alone could store ∼250 Gt of carbon as calcite. Moreover, the subsurface storage capacity of the porous basaltic rocks in Iceland has been estimated to be up to ∼2500 Gt of CO 2 , which is approximately 25 times that required prior to 2050 as part of an integrated effort to limit global warming to 2°C (IEA, 2015) . In addition, seawater is commonly used in flue gas desulfuration (FGD), where seawater cooled fossil fueled power plants use the seawater to scrub sulfur dioxide from flue gas (Olkawa et al., 2003) . The application of the CarbFix approach to will, however, need to account for 1) the lower solubility of CO 2 in seawater compared to that of fresh water; CO 2 is approximately 15% less soluble in seawater depending on the temperature and pressure (Weiss, 1974) , and 2) the additional costs associated with the transport of gas to the coast for subseafloor injection. The mineralization of CO 2 -charged seawater may be somewhat accelerated as the dissolution rates of basalt are somewhat enhanced in CO 2 -charged seawater compared to CO 2 -charged fresh water (WolffBoenisch et al., 2011) . This more rapid basalt dissolution, likely does not lead to secondary mineral precipitation at temperatures less than 150°C dissolution, as like its freshwater equivalent, CO 2 -charged seawater is strongly undersaturated with respect to precipitating phases at these conditions. Note, however, that at temperatures in excess of 150°C, anhydrite precipitation from injected seawater would be favored (Bischoff and Seyfried, 1978) . The precipitation of anhydrite from the heating of CO 2 -charged seawater as it is injected to high temperature basalts could pose a threat to the long-term injectivity of an injection well.
Carbon storage and waste water disposal
A critical factor in the application of this CarbFix approach for storing carbon by its mineralization in reactive rocks is the ability to inject large volumes of water into the subsurface. At a pressure of 25 bars, approximately 27 tons of pure water at 25°C are required to dissolve each ton of CO 2 gas prior to or during its injection (Gislason et al., 2010 . Large volumes of effluent water are, however, being injected into subsurface. There are currently 20-25 million tons of effluent water being injected into the subsurface basalts at Hellisheiði each year (Reykjavík Energy, 2016) , sufficient for the dissolution and injection of close to one million tons of acid gases annually, or roughly 20 times the CO 2 emitted at the Hellisheiði power plant. The amount of waste and effluent water injected annually into the subsurface through industrial processes is far larger. It has been estimated that more than 3 Gt/y of oil field brines are brought to the surface in the US and UK alone (American Petroleum Institute and American Petroleum Institute, 2000; UK Oil and Gas Industry Association,2016). Reinjection is the primary disposal method. As such this may provide an opportunity to adopt some of the technology developed by this CarbFix method at other sites.
Conclusions
This study has demonstrated the efficiency and cost advantages of the capture and storage of mixed gas streams at the CarbFix2 site. Typical coal-fired power plant exhaust contains substantial quantities of oxidized sulfur and nitrogen gases, which are highly soluble in water (Freund et al., 2005) . The simultaneous capture and storage of these gases with CO 2 may provide an additional economic incentive to make this CCS method a valuable contributor to the global effort to limit the increasing carbon concentration of the atmosphere.
The CCS approach described above also has the advantage of enhanced safety; the injected gas-charged water is less buoyant than the formation water, leading it to sink once injected into the subsurface. Moreover, this injection provokes the fast subsurface mineralization of much of the injected acid gases over month long time frames. As such, if it is possible to adapt this approach at other sites, its increased storage security may both lower monitoring costs and enhance public acceptance of CCS at other locations throughout the world.
